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Executive Summary 

In May 2008 the Alberta Department of Energy (ADoE) released a discussion paper on 
Advanced Metering Infrastructure with the intent of implementing AMI in Alberta by 2011. 
Since that time, the aggressive schedule has been tempered; however, AMI remains a 
government priority and the ADoE will still be looking to produce a policy paper outlining 
implementation plans. 

This paper was prepared for the Alberta Federation of Rural Electrification Associations 
(AFREA) and the Central Alberta Rural Electrification Association (CAREA) with the intent 
of providing an overview of the provincial government’s AMI initiative, and evaluating the 
impact of this initiative on the Alberta agricultural industry, the farming community and 
specifically REAs. 

Prior to moving forward with the implementation of AMI it is vital to understand the 
benefits and costs associated with AMI, the entities who bear these costs, the specific 
benefits that these entities are able to capture, and the proportions of each. While AMI may 
have overall benefits for the province, these benefits accrue to different sectors: 
consumers/members, Wire Service Providers/REAs, and the overall system or grid. Some of 
these entities, and in particular REAs, will have greater costs than benefits and limited 
means to capture the differences; if full-scale AMI is implemented under the current market 
structure.  

REA members are generally farms and rural consumers who have relatively inflexible load 
profiles and limited ability to shift consumption from peak pricing periods to off-peak 
pricing periods. As such, REA members will see limited direct benefits from AMI, other than 
feedback of usage data that not all REA members will be able to utilize to save money. 

Self-operating REAs will potentially be able to save meter reading costs, improve outage 
detection and improve billing and potentially settlement accuracy. Self-operating REA data 
could be aggregated with other data and provided to the AESO for overall improvements to 
system planning. 

Operating REAs will have fewer potential benefits available to them through AMI 
implementation. Operating REAs may have improved billing information, which they can 
use to increase their options for member billing. Operating REA data would be integrated 
with the data from other wire service providers to provide any potential system benefits.  

Overall, REAs will be at a disadvantage due to the lack of economies of scale and the non-
integrated nature of their wire services. As the government goes forward with its AMI plans, 
it will be necessary to consider that while REAs may see benefits outweighing the cost of 
implementing AMR, this is not the case for AMI at this point in time. There will need to be 
mechanisms in place to enable REA participation without causing undue financial burden. 

It is estimated that the average costs for a full AMI implementation, province-wide, will 
approach $800/meter based on implementations in other jurisdictions. Directly 
attributable benefits to REA members and wire service providers are estimated at 
approximately $240/meter. The resulting shortfall in benefit attribution may require an 
equalization adjustment in the range of $20 to $25 million for REAS depending on the 
mechanisms the province chooses for cost allocation and recovery. 
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1. Introduction 

 

This document has been prepared for the Alberta Federation of Rural Electrification 
Associations (AFREA) and the Central Alberta Rural Electrification Association (CAREA) 
with the intent of providing an overview of the provincial government’s AMI initiative, and 
evaluating the impact of this initiative on the Alberta agricultural industry, the farming 
community and specifically REAs. 

The AMI initiative is intended to provide Alberta with an entry point to realize the benefits 
of a “smart grid” including potential savings in meter readings, a broadening of offerings by 
retailers, inducements to energy efficiency, enhanced carbon emissions sensitivity and 
improvements to network effectiveness. 

The analysis focuses on the implications of AMI within four sectors: 
1. Self-operating REAs; 
2. Operating REAs serviced by Distribution Facility Operators (DFOs); 
3. The 43,000 REA Members; and 
4. The broader agricultural community. 

 
This report was compiled with input from CAREA, AFREA and AFREA members with 
regards to technical, business and financial considerations and impacts of implementing 
AMI.  It is anticipated that the Alberta Department of Energy (ADOE) will consider the 
issues discussed in this paper as part of their dialogue with REA members, prior to the 
development of the upcoming AMI policy paper.  
 

2. AMI and Alberta  

2.1 Overview of AMR and AMI 
 

Automatic Meter Reading (AMR) is the term used to refer to technology that 
automatically collects consumption, diagnostic, and status data from electric metering 
devices and transfers this data to a central database for the purposes of billing, 
troubleshooting, and analyzing. While AMR relates to electricity metering in this instance, 
similar technology is also used for water and natural gas metering.  

Advanced Metering Infrastructure (AMI) is a relatively new term that refers to networks 
or systems that measure, collect and analyze electricity consumption from advanced 
devices through various communication media on request or on a pre-defined schedule. 
This infrastructure includes hardware, software, communications, customer associated 
systems and meter data management software. The meters in an AMI system are often 
referred to as advanced electric meters or smart meters, since they often can use collected 
data based on programmed logic. An Advanced Electric Meter is a new or appropriately 
retrofitted electric metering device, which: 
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1. Is capable of measuring and recording usage data in time-differentiated registers, 
generally on an hourly basis, but in more frequent time periods as well; 

2. Enables electricity consumers, suppliers and service providers to participate in 
various types of demand response programs; and  

3. Provides other data and functionality that address power quality and other 
electricity service issues. 

AMI enables two-way communications with the meter, 
which is more “advanced” than AMR and traditional 
systems. Meters record and transmit usage information to 
local data collection systems, using the existing power lines 
or a radio frequency technology.  

Figure 1, illustrates the process of AMI use and data 
management. It was originally designed to describe the 
Ontario Smart Meter initiative; however, it is useful in 
describing the generic use of AMI: 

1. Measurement: AMI/smart meters track electricity 
used at a metering location on an hourly basis. 
 

2. Data collection: hourly electricity consumption 
data is sent by wireless connection or through telephone or 
power lines to a local data collector on a daily basis. 
 

3. Data aggregation and compilation: data 
collectors relay energy usage information to larger control 
computers operated by utilities/local distribution 
companies. The control computers ensure that all the 
meters have been read and all the necessary information 
has been captured. 
 

4. Data Repository: collected data is transmitted to a 
provincial data repository. This data will be used to 
develop comprehensive load profiles, and help develop 
appropriate pricing regimes for different times of the day 
(on-peak/off-peak, etc). This database is highly secure and 
only authorized parties will have access. 
 

5. Billing: billing agents will use information from the 
data repository to prepare customer invoices. 

 
6. Energy Management: consumers will have access 

to their energy-use data through invoicing and web-
interfaces to allow for better energy management. 
 

Figure 1: AMI Use and Data Management 
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AMI as a concept is growing in popularity due to the following list of potential advantages: 

Advantages of AMI 

 Utilities are no longer required to make periodic trips to each physical 
location to read meters; 

 Electricity billing can be based on real-time (or near real-time) 
consumption instead of estimates; 

 AMI can be a platform for launching electricity conservation programs 
including time-of-use pricing to reduce system price peaks; 

 More accurate data and transparency enables: 
o Accurate load profiling; 
o Better energy management through profile data graphs; 
o A reduced financial burden and responsibility associated with 

correcting billing errors; 
o Improved electricity procurement though more accurate 

volumetric data and forecasting; 
 Utilities have less accrued expenditure; 
 Faster outage detection. 

Table 1: Key Advantages of AMI 

(Source: IEE White Paper June 2009) 

While the reduced labour costs associated with remote meter reading is the most obvious 
advantage, the impetus for utilities shifting to AMI tends to be the access to accurate, 
transparent data that can be used to encourage consumer responses to system needs.  

2.2 Provincial Energy Strategy AMI Objectives  
 

The December 2008 release of the Provincial Energy Strategy (PES) indicates a range of 
programs to enhance electricity’s role as “a facilitator of economic development in Alberta” 
including: 

No. Action 
1 Develop a plan for transmission improvements 

2 
Implement a transmission build policy to renewable/ low-emission 
generation sources 

3 Implement an intertie build policy to other markets 
4 Streamline regulatory process for transmission siting 

5 
Assemble multi-use corridors for energy and transportation 
infrastructure 

6 Undertake an education and awareness program 

7 
Implement policy and provide financial support for “smart grid” 
technology 

Table 2: Provincial Energy Strategy 

The seventh action item is to provide policy and financial support for the use of smart grid 
technology, essentially support for implementing wide-scale AMI across Alberta. 

The overall vision of the PES is that “Alberta will remain a global energy leader, recognized as 
a responsible world-class energy supplier; an energy technology champion; a sophisticated 



AFREA/CAREA AMI Report – 8 

 

 

energy consumer; and a solid global environmental citizen.” It is anticipated that AMI will 
facilitate customers’ engagement with respect to generation resources and their 
environmental impacts. 

Section 4.3 of the PES relates to changing energy consumption behaviour. The AMI Senior 
Advisory Committee minutes add clarity to this section, stating that the PES mandates: 

1. Advanced Metering for all Albertans. 
2. Advanced metering will not await the development of the business‐case, but will 

proceed by government fiat. 
3. Advanced metering is an enabling technology for not just efficiency overall, but for 

distributed generation, micro-generation, and other distribution‐connected energy 
supply. 

2.3 May 2008 Discussion Paper 
On May 26, 2008, the ADOE released a discussion paper entitled: “New Energy Efficiency 
Opportunities for Albertans Through Advances in Metering”. The primary objectives of this 
discussion paper can be summarized as follows: 

 Ensure that retailers and consumers: 
o Have access to information of value in product development and 

innovation; and in their efforts towards energy efficiency; 
o Are not unnecessarily burdened by a need to access dissimilar 

interfaces, terms and conditions, and standards among distributors; 
 Ensure that Albertans have access to conservation information and 

technologies where it is practical to do so; and are not unnecessarily burdened 
with duplicate costs as distributors of natural gas and water engage advanced 
metering. 

With regards to the timeline for AMI implementation, the May 2008 ADOE Discussion Paper 
requires: 

“… advanced metering and supporting network infrastructure to be installed 
by January 1, 2011 in a manner adequate to gather hourly usage data from all 
electricity customers excluding residential, but not presently equipped with an 
interval meter.” 

Since the policy paper was released, the AMI initiative has been expanded to include 
residential and farm customers. The implementation schedule has also been delayed 
considerably. As of April 2009, the Department of Energy stopped all activities of the AMI 
Senior Advisory Committee and its related sub-committees, due to “internal Alberta Energy 
matters relating to document processing.”  

The DOE intends to resume work on AMI as quickly as possible. Originally, there was to 
have been an implementation policy paper released by the end of 2009. Consultation with 
the ADOE has indicated that this new policy paper will likely be released in 2011 with AMI 
implementation as far out as 2015 to 2017. The implications of this delay are such that any 
activity towards AMR implementation may result in stranded costs should the implemented 
solutions become incompatible with the final standards and technology selected by the 
province, as may be the case with FortisAlberta’s pro-active engagement of AMI. 
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2.4 FortisAlberta AMI Projects 
 

In 2007, FortisAlberta facilitated an AMI pilot project in Leduc, Stony Plain, Vauxhall and 
Brooks. The first phase, implemented in 2007, included FortisAlberta's residential, farm, 
irrigation and commercial customers in the aforementioned service territories, and 
involved the installation of 27,000 meters.  

Subsequently, FortisAlberta received regulatory approval to install AMI metering 
technology for the remaining customers across their service territory. FortisAlberta is the 
regulated electricity distribution company in central and southern Alberta. The 
FortisAlberta service area is illustrated in Figure 2. 

 
Figure 2: FortisAlberta Service Area 
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The full FortisAlberta AMI program consists of over 400,000 additional meters to be 
installed by the end of 2010. The original installation schedule, by year, is outlined in Table 
3.  

Year AMI Meters Installed 
2008 63,000 
2009 239,000 
2010 103,000 

Table 3: Original FortisAlberta Meter Installation Schedule 

As of August 12 of this year 212,000 AMI meters and 74 substations have been installed. It 
is intended to have 284,000 meters and 106 substations installed by the end of 2009. 
FortisAlberta’s approach to AMI consists of the following: 

 Blended Radio Frequency and Power Line AMI Systems 
 Commercial meters starting October 2009 
 RF meters in 2010, starting with Airdrie 

 
At present, most Alberta electricity customers have their meters read manually on a bi-
monthly basis with estimates used for billing purposes between meter readings. The AMI 
meters will enable real consumption data to be used without the need for manual meter 
reading. 

 
When the three-year program is completed, which is expect to occur in 2010, it will cost 
$153 million; however, FortisAlberta anticipates that the project will pay for itself out of the 
large savings resulting from elimination of manual meter reading. More information on 
FortisAlberta’s capital expenditures is presented in Section 5.5. The project was included in 
the FortisAlberta Inc. 2006/07 General Rate Application filed with the Alberta Utilities 
Commission (AUC). All costs associated with the installation and maintenance of the AMI 
technology will be recovered through FortisAlberta's tariff. An update on AMI costs and 
progress was presented at FortisAlberta’s August 18 Technical Session for the 2010/11 
Phase 1 DTA. 

 
FortisAlberta makes reference to automated meters and the environment in its 2008 
Annual Report. FortisAlberta indicates that the change from manual meter reading to AMI 
will result in an annual elimination of over 1,000 tonnes of vehicle carbon dioxide. There is 
also a commitment to zero landfill waste being created by the disposal of over 400,000 
conventional meters. The company noted that AMI had the additional benefit of reducing 
the meter reader turnover rate, and improving meter reading performance. 

 
Unfortunately, the delayed commitment by the province to the AMI agenda, and in 
particular the absence of definitive codes, standards and technology guidelines may result 
in some of the costs associated with the Fortis initiative becoming stranded as new meter 
technology and AMI infrastructure emerges. Some of these costs are proposed to be 
recovered from Fortis customers and the REAs within Fortis territory.  
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3. Overview of AMI in Other Jurisdictions 
 

AMI and Smart Meter initiatives have been implemented in various jurisdictions around the 
globe. A 2008 FERC survey on Demand Response and Advanced Metering indicates that 
advanced metering penetration (the ratio of advanced meters to all installed meters) has 
reached about 4.7 percent for the United States, up from less than one percent in 2006. 
Figure 3 illustrates the utility-scale deployment of AMI in the United States as of February of 
this year. 

 

Figure 3: Utility-scale AMI deployment in the US 

Figure 4 breaks out the advanced metering penetration by types of entities according to the 
results of the 2006 and 2008 FERC studies. 
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Figure 4: Advanced Metering penetration by type of entity 

While these US jurisdictions, and other international ones, have considerably different 
electricity market structures from Alberta, it is useful to consider them in terms of overall 
policy and general success with respect to AMI implementation. This section examines AMI 
in Ontario, Texas, California (Southern California Edison) and North Dakota (Minnkota 
Power Cooperative). 

3.1 Ontario (IESO) 
 

The Ontario electricity system has 34,056 MW of installed capacity and a highest ever peak 
demand of 27,005 MW compared to Alberta at 9,800 MW, established in August 2006. The 
annual consumption in the province is approximately 155 TWh, compared to Alberta at 65 
TWh. It is a summer peaking jurisdiction with extreme humidity and sustained high 
demand during high temperature summer days. 

The Ontario spot market is operated by the Independent Electricity System Operator 
(IESO), and the responsibility for power system planning, generation procurement and 
administration of conservation programs rests with the Ontario Power Authority (OPA). 
Policy decisions, such as the plan to outfit Ontario electricity consumers with smart meters, 
are made by the government through the Minister of Energy and Infrastructure. 

The objectives of the Ontario Smart Metering Initiative were to install 800,000 meters in 
Ontario homes and small businesses by 2007 and install meters for the entire province by 
2010. The 2007 target was surpassed, and various government agencies are working to 
meet the 2010 target. Over 1.5 million smart meters have been installed by Ontario Local 
Distribution Companies (LDCs), accompanied by a time-of-use pricing regime and an 
information campaign to inform consumers about the new meters. 

The government’s Smart Metering Initiative is being facilitated by the Independent 
Electricity System Operator, (IESO), in its role as Program Coordinator or “Smart Metering 
Entity”. As part of this role, the IESO has been responsible for establishing the Meter Data 
Management/Repository (MDM/R) function. The IESO conducted a procurement process 
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for a vendor to develop and operate the MDM/R, and IBM Canada was the successful 
proponent. IBM Canada is now working with the IESO and other stakeholders to design the 
MDM/R, put in place a turnkey solution to support its operation, and operate it for an initial 
period of four years. The IESO is working with LDCs to connect to the MDM/R. The cost of 
the smart meters and their installation is being recovered through the electricity rates paid 
by all customers. 

The Ontario Energy Board (OEB) is responsible for providing the regulatory framework for 
the initiative, has worked to define the technology, and establishes time-of-use rates. 
Ontario has initiated a time-of-use (TOU) rate program to complement the smart meter 
installations. Residential and small commercial customers who are currently part of the 
Regulated Price Plan (RPP) will migrate to TOU rates once they have a smart meter 
installed. TOU rates are broken up into three periods of the day: Off-peak, Mid-peak and On-
Peak. The most recent rates corresponding to these time periods, made effective May 1, 
2009, are outlined in Table 4: 

Time-of-Use Period Price (cents/kWh) Colour Code 
Off-Peak 4.2  
Mid-Peak 7.6  
On-Peak 9.1  

Table 4: TOU Rates in Ontario 

All weekends and holidays classify as Off-peak. The classifications for weekdays vary 
seasonally. The summer hours are illustrated in Figure 5 and the winter hours are 
illustrated in Figure 6. 

 

 

Figure 5: Ontario TOU summer hours 

 



AFREA/CAREA AMI Report – 14 

 

 

 

Figure 6: Ontario TOU winter hours 

Ontario plans to ensure information security by specifying that any data sent to the central 
data repository will be provided in such a way as to prevent identification of an individual 
customer. As well, LDCs are required by law to ensure that the smart meters and 
communication networks that are put into place are equipped with security features to 
prevent unauthorized access. Federal laws regarding the privacy, protection and disclosure 
of personal information must also be complied with. This security information is being 
communicated to Ontario electricity consumers. 

While no cost-benefit study is available at this point to assess the merits of the Ontario 
Smart Meter Initiative, the rationale for the program is aligned with Ontario’s plan to build a 
“Culture of Conservation”. This is a political mandate as well as an election promise.  

Ultimately, Ontario will have 4.5 million smart meters installed by 2010, with Hydro One 
installing the single largest portion of these meters (1.3 million). Ontario residential 
customers are expected to see a $3 to $4 per month impact on their electricity bills due to 
this initiative. 

3.2 Texas 
 

The Electric Reliability Council of Texas (ERCOT) is responsible for the flow of electricity to 
22 million Texas customers, representing 85 percent of the state's electric load and 75 
percent of the Texas land area, as illustrated in Figure 7. 
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Figure 7: ERCOT Area 

The ERCOT supply mix is dominated by natural gas, at 72% of the total supply. Peak 
demand on the system is over 62,000 MW. 
 

Several policy initiatives occurred in Texas over the past few years to enable the 
implementation of AMI. These initiatives are described in Table 5 below: 

Year Activity Description 
2005 Passage of 

House Bill 
2129 

 Permits utilities to recover costs through a surcharge 
(ERCOT & non-ERCOT utilities); 

 Recover costs of deploying advanced meters to residential 
and non-residential customers; 

 Requires reports from the Commission by September 30, 
every even numbered year; 

 By September 30, 2010, any recommendations for legislation 
the PUC may consider appropriate shall be included in the 
report. 

2007 Advanced 
Metering 
System 
(AMS) 
Rulemaking 

 Deployment of AMS is voluntary 
 Includes provisions for: 

o Mandatory AMS capabilities; 
o Communications with Home Area Network 

(HAN); 
o Data Access; 
o Deployment Information; 
o Cost Recovery. 

 Six months prior to deployment or as soon as practicable an 
electric utility needs to file: 
1. Statement of AMS Functionality; 
2. Either a Notice of Deployment or Request for Approval of 

Deployment; 
3. Request for surcharge may be included.  

2007 Passage of 
HB 3693 

 Expressed the intent of the legislature that net metering and 
“advanced meter data networks be deployed as rapidly as 
possible.”  

 
2008 Project 

34610  
 The “Project Relating to the Implementation of Advanced 

Metering” was opened to provide a Commission led-forum 
for the discussion and resolution of issues including 
addressing impacts on retail and wholesale markets 
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resulting from the deployment of AMI in ERCOT and to help 
ensure that customers receive benefits from AMS 
investments.  

 Issues such as settlement, TDU web portals, security, the 
Home Area Network (HAN), demand response among others 
are on the study list for this project. 

 Six projects were created as part of this implementation 
project:  
1.  Interim Project; 
2. Web Portal Project; 
3. ERCOT Settlement Project; 
4. Home Area Network Project (HAN) 
5. Retail Market Interface Project; and  
6. Customer Education Project.  

 The Interim, Retail Market Interface, Web Portal and 
Customer Education Projects are now complete. 

Table 5: AMI Implementation Process in Texas 

The Home Area Network (HAN), referred to above, is illustrated in Figure 8 below. 

 

 

Figure 8: Advanced Metering Systems and the Home Area Network (HAN) 

Oncor is a regulated electric distribution and transmission business that operates the 
largest distribution and transmission system in Texas. Oncor supplies electricity to 
approximately 7 million consumers, about one third of the state's population, operating in a 
service area in east, west and north central Texas. Oncor’s service area includes Dallas-Fort 
Worth, Odessa, Midland, Killeen, Waco, Wichita Falls and Tyler. 
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Oncor received approvals from the Public Utility Commission of Texas (PUC) to deploy AMI 
across their service territory. The approved deployment plan was initiated in late 2008 and 
should be fully carried out by the end of 2012. To date, Oncor has installed almost 250,000 
advanced meters. The original plan was for deployment of 600,000 meters. This has been 
expanded for all customers in north Texas resulting in a total deployment plan for three 
million meters, to be completed by 2012. 

The Oncor AMI program will result in a surcharge to residential customers of $2.21 each 
month for the next 11 years ($26.52/yr total of $291.72/meter). 

On June 30, 2009, Oncor notified the U.S. Department of Energy of its intent to apply for 
approximately $317 million in stimulus funds to advance their smart grid initiative 
(approximately $45.30/consumer). This request includes: 

1. $200 million to lower the cost for the “Smart Texas” AMI initiative; 
2. Over $58 million for telecommunications and network investments to support the 

smart grid initiatives; and 
3. Over $58 million for distribution automation to improve service and reliability. 

Other utilities in Texas are active in AMI as well. Austin Energy began deploying a two-way 
Radio Frequency mesh network and approximately 260,000 residential smart meters in 
2008. Over 165,000 two-way meters have been installed as of spring 2009, and Austin 
Energy is currently working on integration with the meter data management system. In 
2002, Austin Energy exchanged approximately 140,000 mechanical meters for smart 
meters at residential apartments, condos, and other high meter density locations. 

CenterPoint Energy has also received approval from the PUC to deploy AMI across their 
service territory. The approved deployment plan for CenterPoint Energy calls for 
installation of advanced meters over a five-year period that began in March 2009.  The 
original CenterPoint pilot program was to deploy 125,000 residential meters. This was 
expanded to 2 million meters across the CenterPoint service territory. 

AMI meter costs will be recovered through a monthly surcharge, which may be adjusted 
over time to reflect both the inclusion of AMI costs in future base rates and variances 
between the estimated versus the actual cost of implementing the deployment plan. The 
CenterPoint surcharge, like the Oncor surcharge, takes into account the savings advanced 
meters are expected to bring to the company. 

AEP Texas Central, AEP Texas North and TNMP all have AMI projects in the works as well. 

3.3 Southern California Edison 
 
Southern California Edison (SCE) is an investor-owned utility serving 13 million people (4.6 
million customers) in a 50,000 square mile area of Central, Coastal and Southern California, 
including the Los Angeles metro area. SCE is the largest electric utility in California with a 
peak load of approximately 23,300 MW. 

SCE intends to deploy AMI systems, called Edison SmartConnect to five million residential 
and small commercial customers beginning in October 2009. It is anticipated that these 
systems will provide better service, better communication, new bill payment options, saver 
programs, and dynamic rates. The AMI systems will be complemented with Critical Peak 
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Pricing (CPP) and Peak Time Rebate (PTR). The full deployment of AMI is expected by 2012. 
This system is intended to reduce the overall peak power consumption by an estimated 
1,000 MW. 

The four key drivers of the SCE AMI initiative are as follows: 

 California’s Energy Action Plan makes energy efficiency and demand response the first 
priority for energy resource procurement; 

 The California Global Warming Solutions Act requires global emissions be reduced to 
1990 levels by 2020; 

 Regulatory incentives in California make energy efficiency investment comparable to 
supply-side investments; 

 AMI helps to mitigate peak load growth and to improve the falling load factor in the SCE 
service territory. 

 
SCE describes the key quantifiable benefits of AMI to be: 

1. Remote meter reading 
2. Demand response from time differentiated 

tariffs 
3. Remotely controlled demand response 

(auto DR) 
4. Information-prompted conservation 
5. Remote service switch (on/off) 
6. Outage detection 
7. Prepayment services 

Figure 9 outlines the costs and benefits of the 
Edison AMI program. Figure 10 outlines the same 
cost benefit analysis as percentages. The $1.96 
billion in costs is approximately $426.00 for each of 
the 4.6 million customers of SCE. 

AMI has additional benefits for SCE, including the 
fact that it facilitates the development of a 
SmartGrid, and serves as a meter gateway for Home 
Area Networks (HAN), which can involve 
controllable devices, customer information and net 
metering. 

 
Figure 9: Cost-Benefit Analysis of SCE AMI 
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Figure 10: Quantifiable benefits from SCE’s AMI Business Case 

The SCE business case has ~60% of the benefits accruing to operating efficiencies and a 
further ~40% to conservation and energy efficiency. The use of remote control demand 
response is included within the 59% operating benefits portion. The 16% price response 
benefit is anticipated from use of TOU rates to encourage load shifting from peak to off peak 
periods.  

3.4 North Dakota – Minnkota Power Cooperative 
 
North Dakota has some of the lowest comparative residential retail electricity rates in the 
United States, as illustrated in Figure 11 below. 
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Figure 11: US Residential Retail Rates 

For the purposes of this study, the Minnkota Power Cooperative is examined to provide an 
analysis of a rural AMI situation. Minnkota Power Cooperative is a regional generation and 
transmission cooperative serving 11 member-owner distribution cooperatives, and 
associated with the Northern Municipal Power Agency (NMPA), which is a municipal power 
agency serving 12 municipals within its service territory. The 11 member-owner 
distribution cooperative systems provide retail electric service to their own members, 
totaling approximately 125,000 consumers. In general, membership consists of residential, 
commercial and industrial consumers with an aggregate population of approximately 
300,000 people.  NMPA consists of 12 municipal utilities, 10 in northwestern Minnesota and 
two in eastern North Dakota, consisting of 15,000 customers in total. 

The member systems provide total electrical requirements to their own member-owner 
consumers through wholesale purchases of capacity and energy from Minnkota deliver this 
capacity and energy through their electrical distribution facilities. Each member system is 
governed by a Board of Directors, elected from their membership, and Minnkota is 
governed by a Board of Directors consisting of one director from each of the 11 member 
systems.  

Minnkota's service area of 34,500 square miles is located in eastern North Dakota and 
northwestern Minnesota, illustrated in Figure 12. Minnkota incorporated in 1940 and 
provides non-profit wholesale electric services to its members. Minnkota owns generation 
resources and offers wholesale electricity rates in the 4 cents / kWh range. Minnkota is a 
market participant in the Midwest Independent System Operator’s (MISO) energy market. 
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Figure 12: Minnkota Service Area 

Minnkota consists of a mostly rural constituency with an annual electricity forecast for 
2009 of 4.2 TWh, a summer peak forecast of 569 MW and a winter peak forecast of 898 MW. 
Summer and winter load profiles are provided in Figure 13 and 14, respectively.  
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Figure 13: Minnkota Summer Load Profile 

 

Figure 14: Minnkota Winter Load Profile 

Minnkota has been active in load management since 1973 in an effort to alleviate the 
impending shortages in generation capacity. At present, approximately 51,000 end-use 
consumers are involved in the load management program (approximately 41% of 
membership). 

The program involves: (i) rate design, (ii) control methodology and (iii) controllable electric 
loads. 

In terms of rate design, a ratchet program is used to incent reductions in peak demand. The 
winter billing demand, the summer billing demand and the transmission demand charge all 
carry a 100% ratchet. This 100% ratchet means that the peak demand established on a 
member system coincidental with Minnkota’s billing peak was billed at that amount 
throughout the year.  
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From a load management control methodology perspective, Minnkota subscribes to the 
philosophy of central control. They selected a Landis & Gyr ripple control system for the 
load management program back in 1976. The Rural Electrification Administration funded 
this system. The Landis & Gyr 220 Hertz Ripple Control System is used and the central 
control unit in Grand Forks is linked by microwave to 13 injection sites (nine 69 kV and four 
115 kV) located at transmission substations throughout the Minnkota service territory.  

These 13 injection sites are used simultaneously and can selectively control approximately 
100,835 different loads that are connected to the 51,000 receivers at end-use customer 
sites. All 13 injection sites can be utilized simultaneously; making it is possible to shed all 
interruptible load in three minutes (two-thirds can be shed in 25 seconds). The Ripple 
Control System has been integrated with the Supervisory Control and Data Acquisition 
(SCADA) System, allowing control center personnel to better predict and monitor the effects 
of control actions on power system operations. Since latching relays are utilized in the 
receivers, all loads, when controlled, will remain in the off until an “ON” signal is sent by the 
Minnkota Control Center. This system, illustrated in Figure 13, has proven very effective.  

 

 

Figure 15: Minnkota Ripple Control System 

Minnkota also uses a winter season interruptible load program to minimize power supply 
costs by interrupting loads rather than purchasing high-priced energy. Minnkota has 
considered time-of-use pricing and real-time (flow-through) pricing; however, it was 
decided that the current pricing methods are superior to the TOU option, and 
disseminating real-time pricing information to dispersed rural customers proved cost-
prohibitive. 
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Minnkota installed interval meters in the early 1990s and currently uses ITRON MV90 
software to manage 15-minute data. Minnkota has 400 substation meters and 240 billing 
meters and uses a “home-made” billing system at present, although they will be 
transitioning to an Oracle system in December 2009.  

 

3.5 Key Lessons from Other Jurisdictions 
 

The key take-aways from studying AMI in other jurisdictions is that the rationale for 
implementing AMI varies significantly, and there is often political motivation behind the 
decision. Ontario, Texas, and California are all moving forward with full-scale AMI 
programs:.  

 Ontario is using a central data repository and TOU pricing to encourage consumers 
to realize benefits through load shifting, with cost recovery through a monthly 
billing surcharge.  

 Texas has passed a bill to allow utilities to recover AMI costs through a surcharge, 
which has enabled any utilities to implement AMI – with benefits accruing through 
energy efficiency and load management.  

 Southern California Edison indicated in their AMI business case that the majority 
(59%) of the quantifiable benefits of AMI are from an operating perspective and the 
remainder through voluntary savings from TOU rates and through mandatory 
conservation through load control.  

 From a rural perspective, Minnkota Power Cooperative uses rate design and 
controllable electric loads to realize the benefits of advance metering and have 
rejected TOU rates and flow through pricing to encourage voluntary conservation.  
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4. Uniqueness of the Alberta Market 
 

While a thorough examination of the use of AMI in other jurisdictions is informative, it is 
critical to recognize that Alberta has a unique market structure and supply/demand factors. 
AMI objectives and implementation plans that function in other jurisdictions may not work 
in Alberta’s electricity marketplace. This section identifies the main considerations of the 
Alberta marketplace that will affect AMI implementation, including price drivers, 
environmental objectives and demand-side management. 

4.1  Market Structure 
 

Alberta has an energy-only market with future generation investment contingent on 
forward price signals attracting sustainable generation investment into the future. The 
AESO uses a single merit order offer system for dispatch and price determination that 
allows for both marginal cost offers and scarcity pricing during periods of supply shortages. 
The current price cap is set at $999.99 and while there have been discussions on changing 
this price level, no official AESO recommendations have been made at this time. 

Alberta electricity prices are driven fundamentally by two uncertainty factors: wind 
availability and generation unit outages, predominantly coal outages. The result is that high 
price events are not coincident with high demand events as seen in Figure 16 below. Figure 
16 is a load and price duration curve for the AESO market in 2007. In order to generate this 
graph, price and quantity pairs are sorted by quantity (load) level for the 8760 hours of the 
year. The blue curve corresponds to the left hand axis and indicates the load level from a 
high of approximately 9600 MW to a low of approximately 6500 MW. The red lines 
correspond to the right hand axis and indicate the price in the hour associated with the 
demand level.  

 

Figure 16: 2007 Load and Price Duration Curves 
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Of particular note is the dispersion of high prices across a broad range of hours and loads. 
Unlike many jurisdictions where the high prices generally coincide with peak demand, the 
Alberta market has the potential for high prices across over half of the hours. This 
uncertainty in prices is causing concerns for the level of reliable and dispatchable 
generation and has led to concerns with the growth in wind-based generation that is neither 
dispatchable nor reliable. 

In Figure 16 the extremely high prices (>$200/MWh) cover 50% of the hours of the year in 
terms of higher load levels. Figure 17 is a load and price duration curve for the AESO market 
in 2008. In this case, the extremely high prices cover 80% of the higher load hours of the 
year. Thus, it becomes obvious that high price levels in Alberta do not necessarily 
correspond to high load levels, and hourly price volatility is increasing. 

Figure 17: 2008 Load and Price Duration Curves 

The 2009 load and price duration curve (Figure 18 below) indicates the continued lack of 
correlation for this year, however at much lower price levels. An AMI program that relies on 
real-time pricing would not result in any measurable price sensitivity in most hours of 
2009. 
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Figure 18: 2009 Load and Price Duration Curves (to October 12) 

There are currently 525 MW of wind generation on the Alberta system. Currently, wind 
generation is taken on a must-run basis and priced at $0.00/MWh. While wind generators 
do receive the system marginal price when they are operating, they are considered price-
takers and receive low hourly prices. Going forward, there may be additional ancillary 
services required to accommodate additional wind on the system in order to ensure grid 
stability. 

Alberta currently employs an open access transmission policy that allows for generation to 
inter-connect anywhere in the province with postage stamp transmission rates paid 
entirely by loads. Increases to these transmission costs will result in a greater percentage of 
consumers’ costs being attributed to transmission and not to the electricity commodity cost. 
This will serve as a disincentive for consumers to better manage their consumption 
patterns. The recently introduced Bill 50, which proposes considerable transmission 
infrastructure build, represents at least $1.45 B per year in additional transmission costs. 
Consumers will not be able to utilize any advance meters to avoid the majority of these 
additional costs. 

Alberta has limited intertie capabilities with neighbouring jurisdictions, meaning that 
effective inter-jurisdiction price arbitrage cannot occur at all times. 

 

4.2  Supply Factors 
 

Alberta has a total domestic power generation capacity of approximately 12,555 MW. 
Figure 19 illustrates the generation mix by fuel type. 
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Figure 19: Alberta Generating Capacity 

 

In addition to the above-mentioned, there are 13 MW of fuel oil-based production capacity. 
Outside of domestic generation, there are 780 MW of interconnection capability on the BC 
intertie and 150 MW of interconnection capability on the Saskatchewan intertie. The BC 
intertie is currently constrained down to a maximum of 450 MW due to the lack on import 
load shed support available from Alberta loads. The Saskatchewan intertie is a Direct 
Current (DC) interconnection. 

Recently, Alberta’s generation fleet has transitioned from a predominantly coal-based 
structure supported by a transmission and distribution infrastructure moving energy from 
fuel source to consumer to a structure that has moved generation to the points of 
consumption. The coal fleet is aging and will not meet future emissions standards without 
major capital investment. The current aggregate generation mix produces an average 
carbon emission of 0.65 tonnes of CO2 equivalent per MWh. There has been some discussion 
that AMI would enable consumers to make environmentally conscious decisions with 
respect to the supply mix. However, there would need to be a considerable amount of 
additional technological and data management investment in order to allow this to occur. 
There are much less costly policy mechanisms that can be used to green up the supply mix. 

New generation investment in Alberta is primarily in gas units for co-generation or system 
support, and wind generation. In terms of proposed generation development projects, there 
are currently: 

 64 thermal and hydro projects (totaling 15,011 MW); and 
 83 wind projects (totaling 11,880 MW); 

The existing and future investments in wind projects tend to de-stabilize both the hourly 
energy prices and the reliability of energy supply.  Future base-load supply may be 
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dependent on carbon capture and storage (CCS) supplementing coal units, distant northern 
hydro, controversial nuclear, or integrated gas co-generation with oilsands development. 

The concern for a future AMI program development is the lack of correlation between 
consumption levels and prices. The occurrence of high prices does not correspond to energy 
use in a predictable and consistent pattern, making the development of effective demand 
response pricing regimes extremely difficult. 

4.3  Demand Factors 
 

Alberta’s peak demand was 9,806 MW in 2008, up from 9,701 MW in 2007. Alberta load is 
dominated by industrial consumption, as illustrated in Figure 20, at approximately 60% 
market share (by GWh) in 2008. This is approximately 25% greater than most electricity 
markets. Industrial load tends to be less variable (more “flat”) in volume, which has led to 
Alberta having one of the highest load utilization factors of any North American power 
jurisdiction at just over 80%. This high incidence of baseload coupled with a relatively low 
peak to average demand has resulted in little action to develop effective demand response 
to use as a reliability tool during peak periods. 

 

 

Figure 20: Alberta Electricity Consumption 

A significant component of the industrial load is supported with co-generation supply. This 
fact, as well as the overall profile of industrial load in Alberta will need to be heavily 
considered in the design of any demand response and energy efficiency initiatives. As it 
stands, farms, residential and small commercial consumption accounts for less than 25% of 
Alberta’s load; however, these customer classes would constitute the largest segment of any 
AMI initiative. 

47%

12%
6%

13%

3%
19%

Electricity Consumption

Industrial (without Oilsands)

Oilsands

Losses and UFE

Residential

Farm

Commercial



AFREA/CAREA AMI Report – 30 

 

 

In order to realize the full potential and justify the costs associated with implementing AMI, 
it will be necessary for loads to be able to capture the savings associated with managing 
their consumption profiles. This will require an extensive series of demand response 
programs and/or time-of-use pricing. Using the AESO hourly price to encourage voluntary 
demand response will not work for the majority of Alberta consumers due to the 
unpredictability of the price signal. The following series of graphs illustrate the behaviour of 
the hourly price in 2008. They demonstrate that high prices are not coincident with periods 
of seasonal or even hourly peak demand. 

Figure 21 highlights the number of hours with prices over $100 increments in 2008. These 
numbers are also broken out by time period as follows: Super Peak (Hour Ending 17 to 
Hour Ending 22, seven days per week), Peak (HE 8 to HE 23, 7 days per week, which 
includes the Super Peak timeframe), and Off Peak (HE 1 to HE 6 plus HE24, seven days per 
week).  

 

Figure 21: Number of hours priced at over $100 increments in 2008 

Figure 21 illustrates that the Super Peak timeframe does not include all of the highest 
priced hours, and in fact some of these hours occur during Off Peak times when demand is 
expected to be low. 

Figure 22 illustrates the number of hours with prices over $100, in $100 increments, for 
2008. This graph highlights that the expected seasonal correlation does not hold true. 
Alberta is generally described as a winter-peaking jurisdiction; however, Figure 22 shows 
that there are more high priced hours in the summer than in the winter. 
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Figure 22: Number of hours priced at over $100 increments in 2008, by season 

Figure 23 illustrates the number of hours priced at over $200 by hour of the day in 2008. It 
would have been expected for the Super Peak hours (HE 16 to HE 23) to have the greater 
instances of high prices; however, the greatest instance of high prices actually occurs in HE 
12, followed by HE 13 and HE 14. 

 

Figure 23: Number of hours priced at over $200 in 2008, by hour of the day 

Figure 24 illustrates the number of hours priced at over $200 by day of the week in 2008. 
The expected result would be to have the high price instances greater during the weekdays 
than on the weekend, and this expectation holds true for the summer. However, during the 
winter, Saturday and Sunday both have higher instances of high prices than Wednesday, 
Thursday and Friday.  
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Figure 24: Number of hours priced at over $200 in 2008, by day of the week 

Figure 25 illustrates the number of hours over $200 per day for 2008. It would be expected 
to have the greater instances occur during the winter or summer peak; however, the 
greatest instances occur in the shoulder periods – April and November. 

 

 

Figure 25: Number of hours over $200 per day by date, 2008 

The above analysis indicates that predicting price by demand levels, including seasonal, 
daily and hourly profiles, is not effective. In fact, the most dominant price drivers in Alberta 
at present are wind production and un-scheduled coal outages – both very difficult 
circumstances to forecast.  
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Thus it is highly unlikely that Alberta farm, residential and small commercial consumers 
will be able to us AMI to capture savings using only the hourly market as a price signal. This 
is much different from other jurisdictions that have a high correlation between price and 
demand level. These are typically jurisdictions with electric air conditioning that can be 
harnessed for demand response purposes. Alberta does not have this option. 

The government AMI initiative must take into consideration the market structure, supply 
and demand factors specific to Alberta for it to be a successful initiative and provide 
benefits that exceed the costs. It will be necessary to develop a suite of demand response 
programs and/or appropriate time-of-use pricing in order to capture the benefits of AMI – 
the hourly price mechanism alone will not provide a functional incentive. 

4.4 RRO Programs 
 

The current Regulated Rate Option (RRO) Regulation is set to end in June 2011, with no 
specific direction as to the replacement for this program. All default supply consumers 
(those not signing a retail contract) including residential, commercial, and farms that are 
<250,00 kvh over the year are charged for energy use at regulated rates established by 
Energy Price Setting Programs (EPSPs) that are based on forward energy prices. From July 
2009 to June 2010 these prices are 20% term (<1 year) and 80% month in advance. For July 
2010 to June 2011, the Rates will be based on 100% month in advance pricing, with no 
flow-thru pricing and no true-up options available to the programs.  

 

Figure 26 - Comparison of RRO Price Index and Hourly AESO Price - Load-shaped 

In order to achieve effective energy efficiency or energy conservation through AMI 
programs it is essentially that the price the consumer sees is close to the actual price of 
energy at time of consumption (as discussed in Section 5.3). As illustrated in Figure 26, the 
current RRO program does not accurately reflect the costs of power (AESO Hourly – red-
line) in terms of the price index values (blue-line) in each respective month.  
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This graph is based on an assumption of 100% of the Rate being taken from month-ahead 
prices (NGX RRO Price Indices for Flat, Peak and Super-Peak in four winter months (Nov to 
Feb)) and is compared to an hourly AESO flow thru price based on actual load consumption 
for RRO loads. The average variance between the two price indices is 34.3%, and although 
the overall magnitude has declined since July 2006, the variance has not, averaging 31.3% 
from July 2008 to September 2009. 

As approximately 70% to 75% of all consumers are expected to remain on the RRO program 
through to July 2011, the government will need to consider the AMI objectives within any 
successor RRO programs. As indicated in the previous discussion the use of flow-through 
pricing in Alberta is too problematic to result in any effective price signals for meaningful 
energy efficiency or conservation.  

The alternative may be to employ TOU Rates as is the case in jurisdictions such as Ontario, 
Texas, and California, discussed in previous sections. In jurisdictions that have relatively 
predictable load and price relationships that follow seasonal, weekly and time-of-day 
patterns, this can be an effective strategy. Again the analysis of hourly pricing in Alberta 
(Sections 4.1 and 4.2) indicates that no such relationships exist in a predictable and 
sustainable pattern.  

The potential consequence of employing TOU Rates in Alberta may be to gain some energy 
efficiency (load shifting) and some conservation (high rate period avoidance) however it 
will impose considerable risk on the TOU Rate provider as they attempt to match Rate 
periods with actual hourly pricing. This risk problem would be further exacerbated for self-
operating REAs that do not match their billing volumes with settlement volumes, as will be 
discussed later in this report.  

With as many as 70% to 75% of Alberta’s consumers on default supply rates, the design of 
the AMI program and future default supply energy pricing programs will require significant 
harmonization if any AMI energy efficiency benefits are to be captured. The complexities of 
this harmonization are discussed in the following Section. 
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5. Cost-Benefit Analysis 
 

The fact that AMI may have overall benefits for the province is well acknowledged and 
understood. The main concerns are whether: (a) the benefits of AMI out-weigh the costs 
associated with implementation and maintenance; and (b) the benefits accrue 
proportionately to the entities that bear these costs. This section provides an overview of 
the costs and benefits associated with AMI implementation in Alberta and the ability to 
capture these potential benefits.  

Prior to highlighting the benefits and costs associated with AMI, the following 
considerations are reviewed: 

 The input received from key industry stakeholders, including many REAs and other 
organizations with an interest in AMI implementation; 

 The methodology used to conduct a cost/benefit analysis; and 
 The importance of feedback loops in capturing the benefits of AMI. 

5.1 Input from Stakeholders 
 

As part of the background work for this report, discussions were held with several AFREA 
members as well as representatives from other organizations with key interests in AMI. 
Table 6 indicates the entities and individuals that contributed to these dialogue sessions. 

Organization Individual 
Central Alberta REA  (CAREA) Pat Bourne 

Battle River REA  Colleen Musselman 
Mayerthorpe REA  Dannie Fischer 
Stony Plain REA  Harvey Wagner 
Lakeland REA Glenn Hennig 
Alberta Department of Energy (ADOE) Philip Shum 
FortisAlberta Nipa Chakravarti 
UTILITYnet Nick Clark 
Minnkota Power Cooperative  Ed Rekkedal 
Ontario Power Authority 
Ontario Ministry of Energy and Infrastructure 

Various 
Representatives 

Table 6: Discussion Session Participants 

Key discussion points from these dialogue sessions included the following: 

 Ownership of data; 
 Cost to implement AMR / Business Case; 
 Ongoing costs to maintain/upgrade; 
 Uncertainty of Government objectives; 
 Load profile availability; 
 Manual meter reading costs and current technology options; 
 Current processes for meter reading; 
 Current settlement systems; 
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 Working relationship with DFOs (FortisAlberta and ATCO Electric) with regards to 
metering procurement, data management and settlement; and 

 Cost recovery and revenue options in the event of AMI implementation. 

The information from these dialogue sessions was very helpful in developing the 
methodology for evaluating AMI costs and benefits. 

 

5.2 Methodology for Analysis 
 

There are three main entities or sectors involved in the AMI process, all of which have 
opportunities to benefit from AMI implementation: 

1. The Customer/Member – the end consumer of the electricity which is to be 
metered via the new AMI process; 

2. The Wire Service Provider – the REA in some instances; 
3. The System – which is divided into two components for the purposes of this 

evaluation: 
a. The AESO – responsible for electricity system reliability; and 
b. Electricity retailers 

The flow of information between these three entities is outlined in Figure 26 below. 

 

 

Figure 27: AMI Information Flow 

Benefits associated with AMI accrue to these different sectors in different ways and 
different amounts. Table 7 indicates how the government AMI objectives are distributed 
among the three categories. 

 

Customer/Member WSP / REA System / Grid 

 Energy efficiency 
(ability to reduce or 
shift consumption) 

 Cost effectiveness 
(reduced costs for 
electricity and 
distribution) 

 Improved data 
accuracy 

 Outage detection 

 Improved energy 
management and 
operations 

 Enhanced retail 
competition 

Table 7: Government Objectives 
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The benefits and costs of AMI are not distributed proportionately. Some entities will have 
greater costs than benefits and no means to capture the differences. Ultimately, whether the 
benefits out-weigh the costs is subject to the method of implementation of advanced 
metering. A full scale AMI implementation may not prove as cost efficient as an AMR 
implementation in the near term. 

5.3 Feedback Loops 
 

The sole purpose of AMI, beyond meter reading savings, is to develop a feedback loop that 
will cause appropriate reactions to occur to timely signals. 

Feedback occurs when output or information about the result of an event in the past will 
influence the same event in the future. When an event is part of a chain of cause-and-effect 
that forms a loop, then the event effectively feeds back into itself, as illustrated in Figure 27 
below. 

 

 

Figure 28: Feedback Loop 

In every feedback loop, information about the result of an action is sent back to the input of 
the system in the form of input data. Feedback loops can be positive or negative as 
described below: 

 Positive Feedback occurs when the new data facilitates and accelerates the action in 
the same direction as the preceding results. The effects of positive feedback are 
cumulative, resulting in exponential growth or decline.  

 Negative Feedback occurs when the new data produces a result in the opposite 
direction to previous results. The effects of negative feedback stabilize the system, 
resulting in maintenance of the equilibrium. 

Commodity pricing is dynamic in nature and consumers respond to pricing though feedback 
cycles. Figure 28 below illustrates the phases of a feedback loop:  

 

INPUT OUTPUT PROCESS 

FEEDBACK 
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Figure 29: Basic Pricing Feedback Loop 

In the case of a commodity pricing cycle, the feedback generally stabilizes the system. If a 
customer receives information about his consumption and prices, he can make appropriate 
changes to his consumption pattern.  An example of this phased process for consumers is as 
follows: 

1. Price – consumers receive information that electricity has a high price for a certain 
interval; 

2. Response – consumers modify their consumption pattern and consume less 
electricity during high priced intervals; 

3. New Price – due to a curtailment in demand, the new electricity price is lower than 
the previous price for the same interval; 

4. New Response – consumers decide whether the new price is worthy of 
consumption or curtailment. 

In order for the feedback loop to be effective, the new signal and new action/response 
needs to be timely enough to achieve a favourable result. For the curtailment example, the 
consumer will go through the feedback loop several times. The first consideration will be 
“How much electricity am I consuming? Is any part of that consumption unnecessary?” and 
the first action will be to curtail unnecessary consumption. The second consideration will be 
“If I consume electricity during off-peak hours, can I save money?” and the second action 
will be to shift consumption appropriately. The third step will be to automate controls for 
the feedback loop and optimize consumption in a cost-effective manner. 

AMI uses the feedback loop mechanism to facilitate pricing dissemination and subsequently 
demand response or electricity curtailment. While this is effective for customers with the 
ability to shift their consumption patterns, it is important to consider whether REA 
customers have sufficient load shifting capabilities to warrant investment in AMI. Farm 
loads generally have specific activities that must be completed at specific times, and as such 
electricity consumption has minimal flexibility with respect to time of use. 
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5.4 Benefits of AMI 
 

Benefits of AMI are examined as they relate to the three sectors involved in the process: the 
customer, the wire service provider/REA and the system. Many of the benefits of AMI 
depend on the development of supporting programs such as demand response and retail 
product offerings that allow time-shifting consumption value to be captured. Table 8 
summarizes the benefits of AMI to all three sectors. The subsequent sections (5.4.1 through 
5.4.3) provide further examination of these benefits. 

 Customer/Member WSP / REA System / Grid 

B
E

N
E

F
IT

S 

•Allows for more 
accurate and consistent 
meter reading – “pay 
for what you use”. 

•Supports billing and 
reconciliation for usage, 
with monthly reads and 
no billing on estimates. 

•Reduces cross-
subsidization 

•Allows voluntary 
energy efficiency and 
conservation activities 
to increase if customers 
have display 
capabilities and are 
willing to control usage 

•Improves billing system 

•Lowers cost for meter 
reads and allows for more 
frequent reading and less 
estimating 

•Greater accuracy and 
capabilities for remote 
meter readings 

•Allows for easier data 
collection 

•Reduces human error 

•Improves outage 
reporting and problem 
identification 

•Improves overall efficiency 

•Improves forecasting 
through access to more 
accurate data 

•Increases system reliability 

•Note: there are limited 
benefits from daily data; 
hourly data is required to 
benefit from improved load 
shape data. Hourly data will 
allow for real-time billing on 
actual usage, more accurate 
line loss and unaccounted for 
energy (UFE) calculations (at 
least at POD/feeder level) 

•Supports retailer interfaces 

Table 8: Benefits of AMI 

5.4.1 Customer Benefits 

From a customer perspective, one of the key potential benefits of AMI is its role as an 
enabler and facilitator of energy efficiency, conservation and demand response programs. 
Demand Response – “DR”, (the term which will be used to encompass energy efficiency, 
conservation and demand interaction, in general), has several benefits for customers, 
including: 

1. Reduced inefficiencies in the marketplace: 
 Increased attention on demand interaction would place a greater emphasis 

on the time-varying value of electricity. This would extend to the wholesale 
electricity market, implications for new generation capacity, and the 
corresponding distribution and transmission requirements associated with 
meeting peak demand; 
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2. Improved operation of the market: 
 Increased availability of price-sensitive demand resources would improve 

the market’s ability to respond to high prices; 
 This can effectively lower hourly pricing, providing a benefit to consumers; 

 
3. Diversification of resources and management of adequacy and reliability concerns: 

 DR can complement an increased use of intermittent wind generation; 
 Demand resources can address concerns associated with unit ramping; 
 Demand-side projects can provide increased “MW capacity” quickly – 

because they can be implemented much faster than generation projects; 
 Demand resources can be implemented in areas subject to local 

transmission constraints, effectively relieving portions of system stress. This 
can be encouraged through locational premium pricing for demand-side and 
distributed generation projects; and 

 DR can provide ancillary services to the marketplace to support system 
reliability and thereby release generation resource to the energy market. 
 

4. Contribute to socio-political and environmental objectives 
 Demand resources have limited carbon footprints and can be used to 

achieve political climate change mitigation objectives. 
 

Of particular market interest is the ability of demand resources to both improve market 
operations (through greater competition), and achieve diversification. Demand resources 
have the potential to play a key role in complementing the new and evolving generation 
mixes by competing with generation. Demand-side resources can be examined as three sub-
groups: 

1. Programs 
 Electricity consumers are encouraged to reduce load in order to earn an 

incentive provided through the demand interaction program; 
 Programs are facilitated by specific program administrators responsible for 

capturing and recognizing value through efficient program operation; 
 ISO-facilitated DR procurements are examples of typical structured 

programs; 
 Aggregators can also contribute to the success of the programs by signing up 

customers and effectively aggregating the total load to provide the program 
administrators with access to a firm demand interaction product. 

 

2. Tariffs 
 Established rates for electricity that are designed to achieve a level of 

demand interaction – such as to encourage shifting of consumption from on-
peak to off-peak periods, or to encourage lower monthly consumption from 
a volumetric perspective 

 Tariff rates can include various components of the total electricity cost, 
including capacity costs if they are not covered in the commodity cost itself ; 

 Specific time-of-use (TOU) rates are examples of a tariff structure; 
 Regulators or administrators are generally involved in designing and 

implementing the tariff 
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 It is critical to note that TOU rates are different from flow-through rates. 
TOU rates are based on predetermined prices for different periods of 
time. Whereas, flow-through rates pass through the AESO spot price for 
each hour, and the price is not known in advance of real-time. 

 

3. Market-based responses 
 Consumers who are exposed to wholesale electricity market prices and have 

the ability to shift their consumption can benefit from doing so in high-
priced hours; 

 Residential/default supply consumers are typically covered by retail 
contracts or regulated rates (such as the RRO), and thus are not directly 
subject to hourly price volatility – reducing their responsiveness to hourly 
pricing. 

 

There are two key types of demand response: voluntary and mandatory (contractual) 
programs.  

Voluntary DR 

Voluntary DR programs provide participation incentives to encourage electricity demand 
curtailment; however, these programs are non-binding and ultimately consumer 
participation is not mandatory. Voluntary DR is either economic-based or naturally 
occurring.  

For economic-based DR, voluntary participants are offered discounts on their electrical bill 
or other financial incentives as compensation for curtailing demand in response to market 
price triggers. Voluntary, economic-based demand response can be a good starting point if 
the target is building capacity in the marketplace.  

Naturally-occurring DR refers to load curtailment that is not necessarily motivated by 
financial incentives. Under supply-constrained conditions, “good citizens” will generally 
respond to calls for demand reductions without being offered financial compensation.  An 
appeal for this type of DR is usually the last method of load-curtailment used before system 
operators resort to implementing reliability measures such as voltage reductions.  

Mandatory (Contractual) DR 

Mandatory DR programs require compliance when contracted. They can generally be sub-
categorized as either reliability/ancillary services or interruptible power. 

The highest “quality” of DR in terms of response and accountability is procured as part of 
the reliability/ancillary service market. In this instance, DR constitutes part of system 
reliability and mimics generation-based Operating Reserve (OR) by producing “negawatts” 
when required. Some Independent System Operators and Regional Transmission Operators 
(ISOs/RTOs) allow DR to participate in the ancillary service market. Generally, stringent 
measurement and valuation is required to ensure that DR resources are meeting their 
ancillary service obligations. 

Mandatory DR is also procured as interruptible power whereby contract counterparties are 
obligated to curtail consumption when called upon, and are faced with financial penalties if 
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they do not meet their obligations. Interruptible power is generally procured for reliability 
or economic purposes. Reliability-based, contractual DR is generally called upon after OR 
has been deployed during system emergencies, while economic-based contractual DR is 
generally called upon during periods of high market prices. 

Voluntary DR works to a point; however is neither predictable nor sustainable, whereas 
contractual DR will bring the most effective results. As discussed in Section 5.4.3 as well, 
there are currently no economic DR programs available or in development at the AESO that 
would enable customers to capture the benefits of AMI. There is also no TOU pricing 
regimes offered by retailers that would allow customers to capture the DR benefits 
associated with AMI implementation. At present, the retail market in Alberta has not 
indicated any intentions of developing TOU pricing. 

It is unclear at this time as to the nature and timing for any DR programs for Alberta. The 
AESO has operated a DR Working Group over the past year, with a report expected by the 
end of October, 2009. Although the AESO has indicated an interest in DR programs, they 
have not been successful with any implementation of programs other than DR participating 
in the Supplemental Reserve OR market, and some participation in a quasi-mandatory load 
shed service. Unfortunately for some Alberta industries the most significant demand 
response is voluntary load shed of some 250 to 300 MWs as prices increase over 
$100/MWh – a very problematic process given the uncertain nature of pricing in the AESO 
market.  

 

5.4.2 WSP/REA Benefits 

 

From a wire service provider/REA perspective, the majority of the benefits in the near term 
would result from implementation of AMR, not necessarily from full-scale AMI. According to 
a June 2006 report by Frost and Sullivan of Palo Alto, California, the most critical benefit is 
meter reading, which rated as 47% of the advanced metering benefits. 

Key WSP/REA benefits are indicated below, under four main categories:  

1. Field Service Benefits; 
2. Customer Service Benefits; 
3. Operating Benefits; and 
4. Administrative Benefits. 

Field Service Benefits include the following: 

 Reduced meter reading costs; 
 Elimination of safety hazards (such as travel and weather concerns for meter 

readers); 
 Reduced problem investigations (through remote reads and monitoring); 
 Reduced meter testing – due to better detection of stopped meters; 
 Reduced meter maintenance; 
 Elimination of meter locks – meters have a theft/diversion detection function; 
 Remote reads at connect/disconnect and remote disconnection capabilities. 
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Customer Service Benefits include the following: 

 Reduced call center inquiries – eliminates estimated billings; 
 Improved customer enjoyment of property – reduces required access to property; 
 Improved capacity management – more timely transmission and distribution 

information. 

Operating Benefits include the following: 

 Automatic outage detection and reporting; 
 Improved outage management; 
 Reduction in lost outage sales; 
 Power quality monitoring; 
 Remote programmability; 
 Reliability monitoring; 
 Distribution automation; 
 Distribution planning. 

There are several administrative benefits that relate to AMR and AMI. Prior to listing these, 
it is important to outline the differences between billing and settlement. Billing requires 
consumption information once per month. If the consumers are on a flat rate (such as RRO) 
then monthly volume and rate information is all that is required to conduct billing. 
Currently, bi-monthly billing is generally used, which requires actual reads every other 
month with estimates for the non-read months. These estimates need to be reconciled 
appropriately. Billing is generally done on estimates, not on actual data, in the absence of 
AMR. 

Load settlement, on the other hand, requires hourly information. Load settlement is the 
process of determining each customer’s hourly consumption of electricity and providing 
that information to the AESO, to retailers and to regulated rate providers in order to identify 
responsibility for purchases of electric energy exchanged through the power pool. 

At present, DFO information and load profiles (estimated load shapes and/or application of 
the net system load shape) are used to reconcile between retail and wholesale electricity 
data. Load settlement requires immense data management, and makes an area that requires 
considerable improvement if AMI benefits are to be realized. 

Administrative Benefits of AMI include the following: 

 Reduced estimated bills; 
 Reduced theft/diversion; 
 Improved read-to-bill time; 
 Improved load settlement; 
 Improved accounting; 
 Reduced un-collectables. 

The financial quantification of these benefits is generally specific to the WSP/REA’s 
individual business operation. In some instances, these benefits do not apply to specific 
REAs; for example, CAREA members do most of their own meter reads. CAREA only 
conducts two meter reads per year itself, which means that AMR or AMI benefits that relate 
to meter reading will be limited or perhaps negligible to CAREA. 
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There are examples of utilities that have had very positive results in terms of performance 
indicators after implementing AMR and AMI. For example, the Wisconsin Public Service, an 
entity with approximately 489,000 rural and urban customers, completed implementation 
of a combination of Power Line Carrier and Radio Frequency technology in 2004. Table 9, 
below, highlights their post-AMR performance indicators, including improvements from 
before AMR implementation. 

Key Performance 

Indicator 
Post - AMR 

Reads achieved From 90.0% to 99.8% 
Meter Read Accuracy From 99.7% to 99.99% 
Bill Inquiries Decreased by +98% 
Not Billed Process Non billed meters went from 1,000+ meters per day to <200 
Field Investigations 90% reduction 
Billing Delays Eliminated 16,000 late bills each month 
Outage Assessment / 

Management 
Savings - $10,000 to $15,000 per storm/location ï with 

quicker more thorough investigations. 

Contact Center 87% positive confirmations of eliminated calls (Average 

175+ calls/day). 
Rate Options Optional Time-of-Use (OTOU) 

Savings of $177/OTOU for each customer 

Faster response to customer requests 
Overtime Reduction Power Out calls 

 Seasonal customer Friday night/weekend callouts 

 Reduced power out callouts 
Table 9: Wisconsin Public Service Performance Indicators 

5.4.3 System/Grid Benefits 

 

AMI benefits to the system or grid accrue to two major parties: (a) the AESO in its role as 
system controller responsible for reliability, and (b) electricity retailers selling products to 
the marketplace. 

Currently, the AESO does not forecast load, (outside of longer-term plans), and administers 
no DR programs (outside of ancillary services and emergency measures). The AESO has 
been running a working group on DR for over a year; however, there are no signs of 
program implementation to date. Thus, while there is the potential for broad system AMI 
benefits from the facilitation of DR and accurate load forecasting, these benefits cannot be 
realized at this point in time. 

On the retailer side of the system benefits, if there were sufficient retail competition and the 
availability of TOU rates, there would be more value in the AMI equation. As it stands, there 
are only three retail options in Alberta for residential customers who otherwise pay RRO 
rates. Only one of these retail competitors supplies power at competitive market prices, and 
retailers generally site market volatility as a deterrent from developing TOU pricing regimes 
to complement AMI. Currently, the retail market supplies flat rate contracts and has less 
than a 25% market share. Figure 29 illustrates retail competition split by sites. There is 
currently minimal retail competition in Alberta, and insufficient evidence to indicate that 
this competition would increase automatically with the onset of AMI. 
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Figure 30:  Retail Competition Market Share by Residential Customer Class Sites 

(Source: MSA Report on Retail Market) 

 

5.5 Costs of AMI 
 

Costs associated with AMI will depend on how far government policy drives towards full 
implementation of AMI with a central database and centrally designed suite of programs to 
take advantage of this new system. Overall system costs in Alberta may be greater than 
other jurisdictions due to the smaller customer base, and the lack of economies of scale. 
Costs in this section are examined according to the same three sectors used in the Benefits 
section. It should be noted that there is much more information available on costs 
pertaining to AMR, whereas full AMI costs are not as specific, due to the absence of 
comparable examples. 

Table 10 summarizes the costs of AMI to all three sectors. Subsequently, these costs are 
examined in further detail.  
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 Customer WSP / REA System / Grid 
C

O
ST

S 

•Customer bill impact 
expected to be in the $3 
to $4/month range for 
Ontario residential 
customers 

•Total costs in Alberta 
will depend on whether 
full AMI is implemented 

•AMR: meter expected to 
cost between $100 and 
$125 

•Cost to connect to WSP 
expected to be 
approximately $100 

•Additional costs to meet 
ADoE AMI specifications 
(as currently established) 
expected to be over $150 

•Expected costs to integrate 
include: 

•Central database 

•Billing inter-face 

•Forecasting interface 

•Rate structure will need to 
be developed 

•Cost is expected to be $500+ 
per customer 

Table 10: Costs of AMI 

5.5.1 REA Costs 

 
The overall costs to implement a full AMI application in Alberta are unknown at this time. 
However it is possible to estimate these costs based on activities in other jurisdictions and 
the costs experienced by Fortis Alberta (next section) and some AMR activities in existing 
REA areas (Battle River and Lakeland).  
 
AMR installations that employ ITRON technology are in the $80 to $110/meter range, 
(including 5 years of operating costs) and generally have a 2 to 3 year pay-back as a result 
of improved billing and reduced manual reads. However this technology is not compatible 
with the apparent overall provincial AMI strategy as the ‘reads’ are daily totals only, not 
hourly and still require a manual element of remote reading. Further the data from the 
ITRON systems is not in a readily accessible format for addition to overall provincial load 
consumption databases. 
 
Notwithstanding these limitations, the installations do provide positive benefits and result 
in payback of costs well within a five year threshold. The benefits in these instances accrue 
to the operating REAs, with limited benefits to either the member of the overall system. 
 
A full AMI installation for Alberta can be estimated to cost at least $800/installed and Smart 
Grid connected meter. Both the California ($426/meter in 2007 US$) and Ontario 
($4/month – over ten years) support a cost of at least $480/meter on installations of 4 
million+ meters. The premium for an Alberta installation is estimated at two/thirds of this 
cost as a result of: 

 the lower install base (1 million meters vs 4 million) as the overall ‘smart grid’ 
implementation is primarily fixed costs, not variable by number of meters;  

 the higher installation costs due to the disaggregated distribution/transmission 
billing/settlement  infrastructure in Alberta; and  

 the broader dispersion of customers (note FortisAlberta costs are $375/meter for 
meter install and distribution data aggregation); 
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It should be further noted that AMR benefits from meter reading are generally dependent 
on displacing bi-monthly manual reads. If the annual frequency is less than bi-monthly the 
value may not be as great and the pay-back period may be longer. 

5.5.2 FortisAlberta Costs 

 

In the recent FortisAlberta 2010/2011 Phase I/II Distribution Tariff, capital expenditures 
related to the AMI project are being revised to include an additional $50M in order to meet 
the apparent provincial objectives. Table 11 outlines these capital expenditures including 
revisions. 

 

Table 11: FortisAlberta AMI Capital Expenditures 

Based on the installation of 405,000 meters in the 2008 to 2010 time period the cost for 
Fortis will be approximately $375/meter to be compliant with the expected provincial 
standards, up from the earlier forecast of $250/meter which met an AMR criteria but would 
not meet the hourly data collection requirement. The actual meter costs to be compliant 
would increase from $125/meter to $200/meter; while the system infrastructure to 
support data collection would increase from $125/meter to $175/meter. 

It needs to be recognized that these costs are just for the meters and data collection and do 
not include any upstream system data management that would be required by the AESO to 
enable “smart grid” benefits. Essentially these are AMR costs with a future potential to meet 
province wide standards. 
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Consumers that are intervening in the Fortis Tariff proceeding have expressed reluctance to 
support this additional investment because the provincial AMI obligations are not clear at 
this point in time. As such, FortisAlberta may be assuming a risk in acting as an “Early 
Mover” in this instance of as much as $50 million for the 400,000 meters to be installed.. 
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6. Obstacles to Implementation 
 

There are several key obstacles to implementation of AMI, highlighted by sector in Table 12. 
This chapter focuses on three of the main obstacles: (1) socializing AMI costs across 
customer classes, (2) settlement code issues, and (3) cost of early compliance. 

 Customer WSP / REA System / Grid 

O
B

ST
A

C
L

E
S 

•Rural environment will 
result in higher costs with 
limited functionality  

•Communication 
constraints 

•Farm load shape is not 
conducive to energy 
efficiency or conservation 
gains due to demand 
shifting. Capturing 
“conservation” benefits 
will be difficult. 

•Technology limits will be 
tested in integration 
process with other WSPs 
on feeders 

•Control of data will be 
complex 

•Economies of scale may 
not be achieved 

 

•Market structure does 
not support TOU or flow-
through pricing 

•Forecasting and 
integration of data will 
need to be developed 

•Dis-aggregated nature of 
Alberta market with 
generators, transmission 
and distribution providers 
and retail and RRO 
providers will make 
benefit capture for load 
management very difficult 

 

Table 12: Obstacles to Implementation 

If industrial and large commercial loads are expected to be picking up a portion of the cost 
of AMI – then there will be some controversy. Industrial loads are predominantly flat 
resulting in the 81% overall utilization factor for Alberta already. In other jurisdictions, 
80% is the utilization target that is used to measure the success of load shifting programs. 
The relatively flat industrial load profile in Alberta will make it difficult for industrial 
consumers to see the benefits of AMI – particularly if it is being implemented without the 
initiation of DR programs or TOU rates. An allocation of AMI costs to industrial and large 
commercial loads that already employ ‘interval metering’ for settlement may be 
presumptuous  

Another of the major barriers to implementation that has been identified by industry 
participants relates to the current load settlement system. The current load settlement 
processes in Alberta do not allow for opportunities and innovation in the competitive retail 
market. The net system load shape (NSLS) is being used to settle many customers whose 
load profiles are not at all proximate to this shape. REAs are often left with a true-up 
liability in reconciling the revenue stream (billing) with the cost stream (settlement). 
Accurate billing data may change the NSLS settlement process, however it may create a new 
risk for REAs that do not do their own settlements.  



AFREA/CAREA AMI Report – 50 

 

 

At present, the largest benefits may exist in promoting two (or three) meter reads per day, 
one for on-peak and one for off-peak (potential for super-peak in winter). In this instance, 
retailers could offer two (or three) TOU pricing blocks.  For the industry to capitalize on the 
benefits of AMI, the inadequacies in the current policies, including settlement and billing 
timing, need to be addressed by the province 

With respect to the cost of early compliance, there has been some concern communicated 
that FortisAlberta could end up with stranded assets as a result of taking a technology 
decision risk prior to official government policy on AMI being released. Technology 
investment is also at risk because a new generation of AMI technology is likely to be 
commercially viable before the original asset amortization period is complete. For example, 
FortisAlberta is amortizing the AMI technology over 7 years, whereas the technology may 
actually need replacing in 3-4 years.  

An additional financial risk is the opportunity cost of missing out on the benefits of AMR 
due to the political uncertainty surrounding AMI implementation. The converse of this risk 
is the likely pace of new technology innovation in meters, meter data capture, and central 
database costs and deployment. The value in waiting may out-weigh the benefits of early 
action with today’s technology. Smart grid implementations across North America are 
expected to drive down costs, enhance functionality and provide greater benefits. 
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7. AMI Impacts on REAs 
 

There are several key business drivers that REAs have been considering and should 
continue to consider as part of the AMR/AMI decision-making process. These drivers 
include: 

 The need to keep wires operational and service costs down; 
 The need to develop effective load profiles, increase the accuracy of meter reading, 

data collection, billing and load settlement. 
 The ability to manage the REA membership; 
 The risk management issues associated with the RRO – as it moves beyond June 

2011; 
 The need to manage the risk associated with the increasingly volatile spot market; 
 The need to aggregate consumption and manage a portfolio through effective 

hedging and financial risk management 

As mentioned previously in Section 6, REAs should be aware of the “cost of early 
compliance” or stranded asset possibility for early movers. If REAs make technology 
decisions that do not meet government specifications, they may end up with stranded 
assets. There is also an element of technology risk associated with the lifecycle of these new 
meters. 

REAs and the ADoE will need to address the potential shortfalls in cost recovery for REAs 
associated with the lack of economies in AMI implementation. provincial policy should not 
be overly restrictive and cause undue harm to REAs based on their size. If government 
policy dictates that AMI implementation should go forward for the social good of the 
province, than REAs will need to be compensated to allow the implementation, and not 
penalized in a manner that leaves the AMI costs outweighing the benefits. 

Based on the benefits of a total AMI implementation distributed over operational (59%), 
conservation (8%), load management (17%) and price responsiveness (16%) areas as 
estimated by Southern California Edison, it is estimated that REAs and their members will 
be in a position to realize directly just 30% of the benefits, primarily related to AMR-type 
benefits associated with the operational area.  

The benefit/cost shortfall for REA members could be some $500 to $550/ installation or up 
to $20 to $25 million over the current 43,000 REA members. 

Both “self-operating” and “operating” REAs have considerations with respect to costs, 
benefits and potential shortfalls in cost recovery associated with AMI implementation. The 
differences between the two types of REAs are set out in the next sections. 

7.1 Impacts on Self-Operating REAs 
 

“Self-Operating” REAs are wires owners and wire service providers (WSP) that provide 
these services in house, instead of contracting out the services to a third party. These REAs 
also retail energy to their membership, with the option of supplying RRO rates through a 
separate supplier. Self-operating REAs could benefit from AMR through more accurate 
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billing and the reduced cost and staff required from manual reads.  
 
As indicated, AMR payback timeframes of 1.6 to 2 years are achievable for areas that 
currently employ bi-monthly manual reads, combined with the benefits of better outage 
reporting and general cost savings may make a reasonable business case for some REAs.  
 
Self-operating REAs could also consider the issue of data ownership and independence. 
Keeping control of data will prove beneficial, as will control of billing and possible control of 
settlements. Self-operating REAs could run into implementation concerns if the government 
selects centrally prescribed technology and data management solutions for AMI.  
 

One of the concerns for self-operating REAs that do their own billing, but rely on other wire-
service providers for settlements in the enhanced risk of settlement to billing volumes as 
AMI is implement on an hourly billing basis. The current monthly volumetric mismatch in 
billed versus settled volumes would become an hourly price risk between billed hourly 
volumes and allocated NSLS settlement volumes.  

The perverse nature of this mismatch is that any successful load shifting by members may 
result in increased risk exposure for the REA between actual load shape and the net system 
load shape. It is probable that REAs that provide billing services would also need to ensure 
that their settlement charges reflected the same actual usage as was billed to members.  

7.2 Impacts on Operating REAs 
 

“Operating” REAs are wire owners and wire service providers (WSPs) who have contracted 
some or all of their WSP responsibilities out to a third party (generally either ATCO Electric 
or FortisAlberta). Liability associated with wire ownership and service remains with the 
REA. Operating REA settlement data is integrated with system data. 

Operating REAs will not see much financial benefit until the meter costs associated with 
these initiatives have been paid off. Operating REAs could benefit from more accurate data, 
which can allow for more data autonomy and opportunities to outsource billing services. 
Operating REAs should ensure that any AMR/AMI implementation plan allows them to 
maintain data independence. 

Operating REAs will also have concerns for settlement and actual load mismatches and any 
extra risk charges that may be applied by the settlement agent for these mismatches. It will 
be necessary to ensure that settlement codes provide for transparency on volumes used for 
settlement as well as billing, if any hourly billing Rates are implemented. 

Operating REAs will also be confronted with the AMI decisions made by their WSP as to 
technology, system integration, and deployment. These may have adverse impacts on REA 
options and costs, such as may be the case with FortisAlberta’s early mover activity. 
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8. Conclusions 
 

AMI may have overall benefits for Alberta; however, ensuring that these benefits outweigh 
the costs is subject to the selected method of implementation. One of the key concerns is 
that benefits accrue to different sectors – among consumers/members, WSPs/REAs and the 
overall system – whereas costs are not distributed proportionately. Some entities will have 
greater costs than benefits with no means to capture the differences. Consumers could 
benefit from energy efficiency and demand response opportunities and reduced 
distribution costs. WSPs could benefit from less expensive meter reading and better outage 
detection. The overall system could benefit from improved operations and better planning. 
However, the costs to do so may be significant if full-scale AMI is mandated. 

REA benefits will depend on the type of services the individual REA provides. Self-operating 
REAs may benefit from reduced meter reading costs, improved billing accuracy and outage 
detection; whereas operating REAs have possible benefits from improved settlement 
information and various options for settlement that will materialize with the advent of this 
higher quality data. REA members and the agricultural sector in general will have minimal 
benefits from AMI, other than the feedback of usage information. Capturing the benefit of 
this information will require (a) the ability to shift consumption, which many farms and 
rural consumers do not have in abundance, and (b) TOU rates available in the retail 
marketplace (or through default supply Rates) to enable value capture for those consumers 
who are able to shift consumption. 

The major cost differential between AMR and AMI is associated with data aggregation and 
access. Costs to turn AMR into AMI (from passive to active control) are estimated to be five 
times more expensive, without necessarily bringing five times the benefit, given the current 
market structure in Alberta. Most of the benefits for REAs, including meter reading, outage 
detection and increased billing accuracy, can be achieved by implementing an AMR system 
only. Data integration for REAs, required to provide hourly data by the next day, is a 
technical challenge at this time. REA members may be interested in receiving local feedback 
from the meter and investing in additional local equipment to manage their consumption, if 
they have the ability to do so. REAs could use AMR for monthly settlement purposes and 
forgo the full-scale AMI. Going forward, metering systems should be designed to support 
data availability via the Internet.  

In preparing a policy paper on AMI, the ADoE should consider that while REAs may see 
benefits outweighing the cost of implementing AMR, this is not the case for AMI at this point 
in time. Any policy decisions to move forward with AMI should consider mechanisms to 
enable REA participation without causing undue financial burden. 

The current mis-match in directly attributable benefits to REAs and their members and the 
costs for full implementation could be as high as $20 to $25 million. The cost allocation 
methodology for AMI will need to consider this potential shortfall and made need to 
implement equalization transfers to ensure fairness for REA members. 

 


